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production company, plans to carry out a 3 × 106 t CO2 geo-
logical sequestration project in a saline aquifer in the Ordos 
Basin, China, in the next two years (Xu et al. 2022).

High injectivity is critical to carbon capture, utilization 
and sequestration (CCUS) projects because large amounts 
of CO2 must be stored for long periods. The well injectiv-
ity is affected by the reservoir porosity, permeability, thick-
ness, and area (Liu et al. 2013). The injection of CO2 into 
saline aquifers leads to two processes that may affect the 
injectivity. First, CO2 dissolves in saline to form carbonic 
acid, which may lead to mineral dissolution and precipita-
tion (Smith et al. 2013). In this case, the variation trends 
of the rock permeability and porosity are closely related 
to the rock mineralogy, injection rate, rock pore geometry, 
thermodynamic conditions, and fluid composition (Izgec 
et al. 2008). Another particular concern is the evaporation 
and salting-out of water caused by gas injection, which is a 
physical process that occurs near the injection well. A large 
amount of dry CO2 continues to be injected near the injec-
tion well, and the salt solution in the saline aquifers contin-
ues to evaporate and reach supersaturation, resulting in salt 
precipitation. The salting-out process causes pore plugging, 
reduces the porosity and permeability of the reservoir, and 

Introduction

Saline aquifers are considered the most suitable places for 
CO2 storage due to their wide distribution, large volume, 
and proximity to CO2 emission sources (Ott et al. 2011). 
According to the evaluation, the total CO2 storage poten-
tials of global and Chinese deep saline aquifers are at least 
10 × 1015 and 1.435 × 1014 kg, respectively (Cui et al. 2023). 
Since the Sleipner project’s first commercial application 
of CO2 sequestration in deep saline aquifers, many CO2 
sequestration projects have been carried out worldwide. To 
achieve peak CO2 emissions by 2030 and carbon neutral-
ity by 2060, China’s oil and coal companies are vigorously 
carrying out deep-salt CO2 sequestration projects (Jiang et 
al. 2023). For example, the Shenhua Group, the largest coal 
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Abstract
Carbon capture, utilization and sequestration (CCUS) technology is considered an effective technology for reducing 
anthropogenic carbon dioxide emissions into the atmosphere. Saline aquifers are the most promising places for CO2 stor-
age. However, field practice has demonstrated that salt precipitation near wellbores could lower reservoir permeability and 
result in a loss of CO2 injectivity. This paper reviews the research progress on salt precipitation during CO2 injection into 
saline aquifers. First, the mechanism of salt precipitation is studied in terms of the CO2 injection stage division and salt 
precipitation occurrence characteristics. Second, the current technical approaches for salt precipitation research are exam-
ined, encompassing numerical simulations, core tests and analytical solutions, and the accomplishments and advancements 
of these three methods are analyzed. The factors that govern salt precipitation, such as reservoir heterogeneity, salinity, 
injection rate, temperature, and wettability, are also analyzed. Eventually, the current state of CO2 storage in saline sand-
stone is presented, and a number of problems in salt precipitation research are identified.
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seriously affects the CO2 injectivity, as shown in Table  1 
(Xu et al. 2022; Cui et al. 2023).

Strong evidences on the occurrence of salt precipitation 
primarily have come from field observations of gas injec-
tions or storage. Kleinitz et al. (2001) reported gas wells 
used for gas storage in northern Germany, where NaCl 
precipitates were detected during well testing by pressure 
draw-down. A case-in-point is the Ketzin Field, Germany, 
where it was discovered, through a combination of radio-
metric pulsed neutron-gamma (PNG) logging and extended 

saturation modeling, that water evaporation (ultimately 
resulting in halite precipitation) caused an unusually high 
CO2 saturation in a near-wellbore formation (Baumann et 
al. 2014). Another suspected case of salt precipitation was 
in the Snøhvit Field. Here, significant pressure buildup was 
encountered during CO2 injection into a near-wellbore for-
mation (Grude et al. 2014). This was caused by an unusually 
low permeability zone around this region, which in turn was 
suspected to be a consequence of salt precipitation, lead-
ing to injectivity loss. A mixture of methyl ethyl glycol and 

Researher Porosity and 
permeability

Water composition Temperature 
and pressure

Analysis 
technics

Variation in poros-
ity and perme-
ability after salt 
precipitation

Muller et al. 
(2009)

K = 100mD 
φ = 0.2

25 wt%NaCl 35℃/6.3 MPa SEM、ESEM 60% reduction in 
permeability

Wang et al. 
(2009)

K = 79mD 
φ = 0.18

25 wt%NaCl 50℃/8.2 MPa SEM、ESEM 50% reduction in 
CO2 permeability

Bacci et al. 
(2011)

K = 7.78mD 
φ = 0.23

26.4 wt%NaCl 45℃/8 MPa ICP-AES 3% reduction in 
porosity, 75% 
reduction in 
permeability

Oh et al. 
(2013)

K = 170mD 
φ = 0.2

15 wt%NaCl 45℃/10 MPa X-ray、SEM Local salt precipi-
tation near injector

Ott et al. 
(2013)

K = 170mD 
φ = 0.2

34 wt%NaCl 110℃/11 MPa µCT Reduction in CO2 
permeability

Peysson et 
al. (2014)

K = 74mD 
φ = 0.218

3.5 
wt%NaCl(55%KCl 
and 45% KI)

80℃/change 
in pressure

X-ray Local salt pre-
cipitation near 
injector, and 70% 
reduction in CO2 
permeability

Peysson et 
al. (2014)

K = 0.01mD 
φ = 0.214

Brin in Paris Basin 90℃、120℃/
change in 
pressure

X-ray Local salt pre-
cipitation near 
injector, and 
50% reduction in 
permeability

Tang et al. 
(2015)

K = 200mD 
φ = 0.3

20 wt%NaCl 100℃/1 MPa SEM 14.6% reduction 
in porosity, 83.3% 
reduction in 
permeability

Ott et al. 
(2015)

K = 200mD 
φ = 0.3

20 wt%NaCl 50℃/10 MPa X-ray、SEM Uniform salt 
precipitation and 
CO2 permeability 
increase

Sokama et 
al. (2018)

K = 90-105mD 
φ = 0.17–0.19

7.5–15 wt%NaCl 50℃/10 MPa — 10-35% reduction 
in permeability

Edem et al. 
(2020)

K = 200-
315mD 
φ = 0.19–0.2

5–25 wt%NaCl 45℃/6.9 MPa SEM 0.75-16% reduc-
tion in porosity, 
10–70% reduction 
in permeability

Ott et al. 
(2021)

K = 30-300mD 
φ = 0.13–0.19

6–28 wt%NaCl 110℃/11 MPa SEM Permeability 
decreases by 
1–3 orders of 
magnitude

He et al. 
(2024)

K = 0.3-8.7mD 
φ = 0.099–0.58

286,999 mg/L total 
dissolved solid

/ SEM、EDS Porosity decreased 
by an average of 
25%, permeability 
decreased by an 
average of 43%

Table 1  Salt precipitation in 
typical CO2 flooding experiments 
(edited from Cui et al. 2023)
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water had to be injected to stimulate the well (Grude et al. 
2014). In most of these cases, a dramatic injectivity loss has 
been reported.

Besides that, numerical simulation and analysis results 
indicate that the injection capacity may be significantly 
reduced due to salt precipitation near injection wells (Tam-
bach et al. 2015). Through numerical studies, Giorgis et 
al. (2007) demonstrated that the injection rate plays a key 
role in controlling the salt precipitation process and reduc-
ing the injection capacity. Muller et al. (2009) demonstrated 
through numerical studies that a short freshwater prefush 
(several hours) prior to CO2 injection can mitigate the 
adverse effects of salt precipitation on the injection capac-
ity. Numerical calculations conducted by Kim et al. (2012) 
show that the degree of salting out is proportional to the 
salinity of the brine. Experimental studies are essential to 
better identify the key parameters and mechanisms of well 
injection capacity and to obtain meaningful results from 
numerical and analytical solutions. Zuluaga et al. (2003) 
simulated water evaporation by injecting methane into con-
solidated sandstone cores. Peysson et al. (2014) injected 
nitrogen into consolidated sandstone cores to characterize 
water evaporation and salt precipitation. These experimen-
tal studies confirm that the injection of dry gas can reduce 
the injection rate of the saline layer. However, these results 
cannot be directly generalized to CO2 injection scenarios 
because the thermodynamic and flow properties of CO2, 
such as the density, viscosity, heat capacity, interfacial ten-
sion, and reactivity, are quite different from those of meth-
ane and nitrogen, and they have a significant impact on the 
evaporation process (Bacci et al. 2011a).

In recent years, many scholars have conducted experi-
mental studies on the injection loss caused by salt-out precip-
itation after supercritical CO2 injection into sandstone cores 
(Bacci et al. 2011b; Oh et al. 2013; Ott et al. 2011).  Bacci et 
al. (2011b) conducted four consecutive saline injection and 
CO2 flooding tests on the same sandstone core and observed 
varying degrees of porosity and permeability changes. Their 
results showed that a small reduction in the porosity can 
lead to a significant reduction in the permeability of up to 
86%. Oh et al. (2013) observed that fractured cores have 
twice the injection capacity of homogeneous cores, and salt 
deposits near the injection end of the core were detected 
via changes in the X-ray intensity. Ott et al. (2011) found 
through experiments that although the absolute permeabil-
ity decreased, the relative permeability increased during the 
tests. Golghanddashti et al. (2013) concluded that the abso-
lute permeability plays a key role in controlling the change 
in the relative permeability caused by salt precipitation.

There are still many challenges in injecting CO2 into 
multilayer, highly heterogeneous saline aquifers, such as 
those in the Ordos Basin, China (Ren et al. 2021). The mul-
tilayer strongly heterogeneous saline aquifers exhibit rapid 
sedimentary facies changes and poor connectivity (Fig. 1). 
These characteristics may cause more severe salting-out 
effects. Therefore, accurately understanding the mechanism 
of salt precipitation and the influence of various factors on 
the salting-out near the wellbore is an important scientific 
problem to improve the injection efficiency of saline aqui-
fers. However, owing to the absence of a sound salting-out 
mechanism, diverse works have provided conflicting results 
regarding the various factors that affect the characteristics 

Fig. 1  Enhanced presentation of Single-scale heterogeneity models 
includes: (a) Single-scale interlayer heterogeneity model: This model 
explores variations within individual layers of a geological forma-
tion. (b) Single-scale multi-facies heterogeneity model: This model 

accounts for distinct facies within a reservoir, each adding unique 
characteristics to overall reservoir heterogeneity. (Edited from Ren et 
al. 2021)
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and poor brine displacement efficiency. A higher drying rate 
leads to the rapid precipitation of salt, and the production 
of brine and steam increases dramatically. With the passage 
of CO2 displacement brine, the contribution of advection 
gradually decreases, and diffusion flow dominates (Dayo et 
al. 2022). The generation rate of brine and steam decreases, 
the generation of brine eventually stops at a certain stage, 
and evaporation becomes the main mechanism of action. 
The decrease in steam generation is mainly affected by 
three factors. First, as CO2 injection progresses, the salin-
ity of the brine in the porous medium increases. In contrast 
to the constant evaporation rate of deionized water, when 
the salinity of the brine increases, the permeability potential 
increases, and the activity coefficient decreases (Hassan et 
al. 2018). According to Raoult’s law, a decrease in water 
activity leads to a decrease in water evaporation. Second, 
most of the brine that can evaporate is produced early on. 
The amount of brine remaining affects the rate of evapora-
tion. In the initial stage of CO2 injection, the brine produc-
tion in the largest pores of the rock sample is caused by CO2 
flow. When the driving force of CO2 cannot overcome the 
capillary force of the small pore throat, the nonwet phase 
CO2 flow has no flow trend, so it is difficult to produce new 
brine. In addition, more brine production reduces the chance 
that the remaining brine will come into contact with the CO2 
flow (Fig. 2), which in turn reduces the evaporation rate in 
the later stages of CO2 injection (Javed et al., 2016). Third, 
in a later stage, when the solubility limit is reached, the salt 
precipitates. Precipitation reduces the connectivity of the 
surface water film, leading to a decrease in the evaporation 
rate (Fujimaki et al. 2006).

In addition, some scholars have divided the injection 
stages according to the variation in the amplitude of the 
reservoir permeability during CO2 injection. For example, 
Zhang et al. (2019a) studied the influence of formation water 
flow on salt precipitation by conducting tight sandstone 
water flooding experiments. They noted that salt precipita-
tion during the pressure reduction process can be divided 
into three stages. In the first stage, that is, the initial precipi-
tation stage, the salt in the formation begins to precipitate 
obviously, the salt precipitation dramatically reduces the 
permeability of the core, and the maximum permeability 
reduction range is 35–67%. The second stage is the pre-
cipitation equilibrium stage (10–3 MPa), and the decrease 
in the permeability is not large (less than 5%). In the third 
stage, the salting-out intensification stage, the permeability 
decreases further. The degree of damage to the permeability 
of the core by salt precipitation increases to more than 90%.

of salt precipitation. And since there are few review articles, 
we find it useful to provide an overview of the latest tech-
nologies. The aim is to summarize the results of previous 
studies and clarify how salt precipitation affects the CO2 
injectivity. In addition, we will clarify the potential implica-
tions and problems of research on CO2 storage salt precipi-
tation in saline sandstone.

Salting-out mechanism

Division of CO2 injection stages

Notably, the supercritical two-phase CO2–brine seepage 
process is very complex and involves physical processes 
such as two-phase flow and two-phase interface movement 
in porous media (Qanbari et al. 2012; Celia et al. 2011). 
In contrast to natural evaporation and drying, there are two 
coupling mechanisms for the change in water saturation in 
saline aquifers: viscous displacement and drying (Peysson 
et al. 2014). The time-scale separation between dominant 
viscous displacement and dominant evaporation is good 
(Ott et al. 2021). Viscous displacement (which does not 
lead to precipitation) and water evaporation (which leads to 
solute enrichment and eventually to salt precipitation) pri-
marily occur on different time scales: viscous displacement 
occurs over several minutes, while evaporation and precipi-
tation occur over several hours (Ott et al. 2021). Accord-
ing to the different time effects of viscous displacement and 
drying, three stages of salting out after CO2 injection occur: 
advection-leading, transition-leading, and diffusion-leading 
evaporative drying stages (Wang et al., 2014; Zhang et al., 
2016). The transition that occurs from advection- to diffu-
sion-confined flow is direct evidence of reverse solute diffu-
sion. The solute diffuses upward from the low-concentration 
region of the water phase to the highly concentrated evapo-
ration front. Due to solute accumulation at the brine/super-
critical CO2 interface, salt deposition eventually occurs 
(Dayo et al. 2021). The drying rate, i.e., the mass of water 
removed from the sample surface per unit time, can be used 
to better analyze evaporation in porous media (Baumann et 
al. 2014). According to the brine production characteristics 
and the shape and slope of the drying rate curve, the action 
characteristics of the coupling mechanism in the CO2 injec-
tion stage can be identified. In the initial stage of supercriti-
cal CO2 injection, CO2 breakthrough quickly occurs. The 
sharp decrease in the slope of the pressure difference after 
breakthrough is due to the high contrast between the vis-
cosities of supercritical CO2 and brine.  Bacci et al. (2011b) 
also reported that large residual water saturation is caused 
by the large difference between the viscosities of supercriti-
cal CO2 and brine. This may result in early gas invasion 
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nooks and crannies of large and medium pores filled with 
supercritical CO2. Salt precipitation is more even in sand-
stones than in carbonate rocks (Dayo et al. 2022). Another 
view is that the salt mainly comes from the microporous 
system and only precipitates in the macroporous system, but 
it does not precipitate in the microporous system. This is 
because CO2 that is already saturated with water enters the 
micropore domain as a result of the equilibrium solubility 
model, which prevents evaporation in the micropore (Ott et 
al. 2021).

In addition, capillary action and the rate of water evapo-
ration determine the flow state, which determines the direc-
tion of solute transport (cocurrent or countercurrent), thus 
affecting the macroscopic distribution of local precipitation 
in the lower part of the drying front (Ott et al. 2021). The 
Peclet number, that is, the ratio of the advection rate to the 
diffusion rate, can better define the distribution of salt pre-
cipitation in rock samples (Peysson 2012; Roels et al. 2014). 
When Pe≪1, diffusion is the main process, and the salts are 
uniformly precipitated in the porous medium. When Pe = 1, 
advection is greater than diffusion, and salt precipitation is 
uneven (Huinink et al. 2002). Kim et al. (2013) conducted 
pore scale experiments on salting-out and determined that 
salting-out can be divided into two types: an isolated single-
crystal structure and an aggregated polycrystalline structure.

For semiclosed systems, in addition to these two types 
of precipitation, a third type of solid precipitation occurs 
at the interface between the reservoir and the seal (Meng et 
al. 2015).

The characteristics of salt precipitation

Two main types of precipitation form near the well: nonlo-
cal salting-out near the well and local salting-out under the 
drying front (Meng et al. 2015). The formation processes of 
the two types of precipitation are different, and they have 
different periods. Core experiments have also confirmed 
that the salting-out profile of the rock sample was uneven, 
and the salting-out was more concentrated near the sample 
inlet surface (Javed et al., 2016).

The time scale of the drying determines the crystallization 
process, and the drying time is caused by the rate of water 
transport in the injected fluid phase, which is determined 
by the solubility limit of water in the injected fluid phase 
and the injection rate. The amount of sediment depends on 
the nonflowing portion of the brine that eventually dissolves 
in the CO2-rich phase (Ott et al. 2021). The localized salt-
ing-out below the drying front mainly occurs at the corners 
of the scCO2-filled pores that were previously filled with 
saline. Pores with an equivalent pore size of < 50 μm are 
classified as small pores, those with an equivalent pore size 
of > 200 μm are classified as large pores, and those with an 
equivalent pore size of 50–200 μm are classified as medium 
pores. There are different views as to where salting-out 
occurs, i.e., in small or large pores. One view is that the 
pores that are completely filled with salt are few and mainly 
occur in pore throats (Fig.  3) that cannot be invaded by 
scCO2 to a lesser extent (Dayo et al. 2021). In medium wet 
sandstone, salt is mainly deposited in small pores and in the 

Fig. 2  Fluid production and pressure curves during second flooding test. (Edited from Javed et al., 2016)
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the salting-out processes and mechanisms can be summa-
rized as follows.

(1)	 Non-miscible displacement of the original solution by 
injected CO2. When CO2 enters the pore-throat struc-
ture of the reservoir, it will result in a two-phase flow, 
namely the supercritical CO2 phase and the saline 
phase. After non-miscible displacement of the original 
solution forms by injected CO2, the residual water will 
exist in the reservoir in the forms of water films and 
water bridges. In terms of physical boundaries, immis-
cible two-phase displacement systems can be theoreti-
cally divided into three categories (Fig.  6): (i) closed 
systems in which all of the boundaries are impervious; 
(ii) open systems with open horizontal boundaries that 
allow natural brine to flow out; and (iii) semiclosed sys-
tems in which the lateral boundaries are impervious to 
water and the vertical boundaries of the reservoir are 
surrounded by sealing units with low permeability. The 
numerical results reveal the different characteristics of 
the pressure changes in saline aquifers under different 
boundary conditions. Since different types of precipita-
tion occur near injection wells and have obvious effects 
on fluid flow, numerical simulation results can be used 
to compare the interaction between pressure accumula-
tion and fluid saturation in saline aquifers under differ-
ent boundary conditions (Meng et al. 2015).

(2)	 Evaporation of water from the solution into the flowing 
CO2 phase. Under the continuous flow of dry supercriti-
cal CO2, the water in the solution evaporates into the 

Causes of salt precipitation

There is controversy regarding whether the salting-out posi-
tion is the water phase or the gas phase. Although salt crys-
tals grow at different rates, they generally grow in both the 
liquid and gas phases (Miri et al. 2015). Liu et al. (2013) 
noted that the key assumption about the pore-permeability 
relationship after salting out is that salt precipitation in 
water occupies the pore space. They concluded that the salt 
was initially dissolved in the water and could only be pre-
cipitated from it. Ott et al. (2015) used micron-CT imaging 
to study the distribution of solid salt after CO2 displacement 
and the initial CO2 in the pore space and found that the 
overlapping area of the two was less than 5% of the com-
mon cross section. The salt precipitates in the residual brine 
phase near the initial CO2 occupancy volume, and there is 
no transport mechanism for liquid water and steam to pass 
through the CO2–brine interface or a transport mechanism 
by which the salt can enter the CO2 channel (Fig. 4).

Miri et al. (2015, 2016) explored the kinetics of salt pre-
cipitation at the pore scale through chip experiments, but 
they came to the opposite conclusion. They found that salt 
aggregates attract water from adjacent network particles 
through a surface energy effect via a continuous film of 
water surrounding the mineral particles, which allows the 
evaporation front to continuously absorb fresh brine, thus 
allowing salt to continue to grow on these aggregates. The 
result of this mechanism is a large accumulation of salts in 
the gas phase in the form of aggregates (Fig. 5). Therefore, 

Fig. 3  Microscopic photos of the reservoir for vacuum saturation (left) and scCO2 displacement (right). (Edited from Dayo et al. 2021)
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pore throats (Peysson et al. 2014). Spycher et al. (2003) 
established a relatively accurate CO2-formed water mis-
cibility equation by combining the chemical potential 
and Redlich–Kwong (R–K) equation of state, and they 
concluded that the solubility of CO2 in the water phase 
was 1–2 mol% and that of water vapor in the CO2 phase 
was 3–8 mol% at 100–150 °C and 10–20 MPa. Pruess 
et al. (2005) applied this equation in TOUGH2 to simu-
late formation water evaporation during CO2 injection, 

flowing CO2 phase. Under isothermal conditions, the 
evaporation rate depends on driving forces such as cap-
illary forces and viscous forces (Lehmann et al. 2008; 
Shokri and Or, 2011). The evaporation of water will 
enhance the relative permeability of CO2 and further 
boost the evaporation process. In current CO2 injec-
tion simulations of saline aquifers, water evaporation 
is generally considered to be in local thermodynamic 
equilibrium due to the rapid diffusion of water vapor in 

Fig. 5  Mechanism of CO2 displacement-evaporation-precipitation(Edited from Miri and Hellevang., 2016; Zhang et al., 2024)

 

Fig. 4  Microscale µCT data of salt precipitation after CO2 flooding. (Edited from Ott et al. 2015)
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Fig. 6  Enhanced presentation of boundary conditions for the three storage systems: (a) Open system; (b) Closed system; (c) Semi-closed system. 
(Edited from Meng et al. 2015)
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which include: (1) immiscible two-phase displacement; (2) 
the evaporation of brine into a dry CO2 stream; and (3) cap-
illary-driven water phase reflux.

Laboratory experiments

Core experiments

Core experiments are an important means of understand-
ing the process of CO2 storage in saline sandstone. Peysson 
et al. (2014) reported experimental results on rock dry-
ing caused by the continuous injection of a large amount 
of dry gas (N2), simulated the physical process controlling 
the decrease in the water saturation of the reservoir rock, 
studied the slow and fast drying rates and the influence 
of capillary pressure on drying, and determined the main 
physical parameters controlling the key mechanism of rock 
drying. Ott et al. (2015) experimentally studied the effects 
of the drying process and salt precipitation on the flow rate 
under actual near-wellbore flow velocity and actual thermo-
dynamic conditions, injected dry scCO2 into salt-saturated 
siliceous sandstone, and monitored the spatiotemporal 
evolution of the saturation changes using microcomputed 
tomography (CT). Javad et al. (2016) injected supercritical 
CO2 into sandstone samples fully saturated with NaCl, mea-
sured the drying rate, and analyzed the effects of the injec-
tion rate and salinity on salt precipitation.

An increasing number of scholars have focused on the 
differences in salt precipitation between sandstone and 
other types of rocks, such as carbonate rocks. Peysson et 
al. (2011) conducted an experimental study on the perme-
ability changes caused by the drying of medium- and high-
permeability sandstone and carbonate rocks under different 
brine conditions and evaluated the effects of the rock type 
and initial permeability on injection alteration. The type of 
flow blockage and the spatial redistribution of salt depos-
its in the pore matrix were investigated. The salt deposits 
were concentrated near the core surface, and the pores were 
blocked by solid salt deposits. Dayo et al. (2022) injected 
supercritical CO2 into depleted carbonate and sandstone 
reservoirs and compared the characteristics of salt precipita-
tion development. Their experimental results revealed that 
the time required for precipitation to begin was shorter in 
sandstone than in two carbonate samples, indicating that the 
pore connectivity plays a major role in the evolution of salt 
precipitation and that the pore connectivity is generally bet-
ter in sandstones.

With the advancement of technology, the microscopic 
scale of solute transport, flow geometry, and porous struc-
ture can be observed using visual experimental devices 
(Wang et al. 2023). Lehmann and Or (2009) conducted 
evaporation experiments on textured media and utilized 

and it has been widely used in CO2 sequestration studies 
(Babak et al., 2018) and CO2-based geothermal explo-
ration (Cui et al. 2018a).

(3)	 Capillary-driven backflow of the solution towards the 
injection end. Due to the dry evaporation effect at the 
displacement front, there is a capillary pressure gradient 
compared to the high water level in the distant region. 
The capillary pressure depends on the pore size distribu-
tion (PSD). Qing (2021) discussed the difference in the 
capillary pressures of large and small throats that cause 
liquid to flow toward the surface of the porous medium, 
bringing evaporation close to an earlier stage, which is 
called capillary-driven backflow. When this gradient 
exceeds the injection pressure gradient, the capillary-
driven backflow of solution reverts to the injection end, 
and the reservoir water returns to the evaporation front, 
resulting in continuous evaporation. However, achiev-
ing capillary pressure is complicated because different 
minerals have different contact angles and surface ten-
sions, resulting in different residual water saturations 
(Norouzi et al. 2022).

(4)	 Solute diffusion in the solution. As the water evapo-
rates into supercritical CO2, the salt concentration in 
the residual water increases. This may cause the salt to 
spread from the dry front to the formation water. Once 
the salt concentration reaches its solubility limit, the salt 
will precipitate out of the solution.

(5)	 Self-enhanced growth of salt. The precipitated salt has 
a strong affinity for saline and forms an effect similar 
to capillary force, inducing the distant saline to move 
towards the evaporation front, and the self-enhanced 
growth of salt will further increase the precipitation. An 
important premise of this self-reinforcing mechanism is 
that there are relatively thick interconnected films on 
the grain surfaces (Miri et al., 2016; Zhang et al. 2024a). 
However, the existence of this thick water film and its 
practical significance in hydraulic conduction need to 
be studied further.

Salting-out research methods

Numerical simulations

Most existing numerical codes capable of simulating dry-
ing and salting-out processes (e.g., Transport of Unsaturated 
Groundwater and Heat version 2 (TOUGH2; Pruess 1991), 
DUNES for Multiphase, Component, Scale, Physics, etc. 
Flow and Transport in Porous Media (DUMUX; Flemisch et 
al. 2011), Computer Modeling Group (CMG), and Eclipse) 
are built on the basis of implementing physical processes, 
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high-resolution X-ray microtomography under high-tem-
perature and high-pressure conditions.

The combination of laboratory core experiments and 
numerical simulations has become a trend in the study of 
salt precipitation in the process of saltwater storage in sand-
stone. Mehdi et al. (2009) developed a mathematical model 
of radial CO2/brine binary displacement combined with 
core experiments, established a salt precipitation model for 
the region where vaporization occurs in a binary system, 
studied the effect of salt precipitation on permeability, and 
proposed an analytical solution based on the time-depen-
dent skin factor. Giacomo et al. (2011) designed a super-
critical CO2 core displacement experiment. Salt scaling on 
the core led to different degrees of changes in the porosity 
and permeability. A slight reduction in the porosity led to 
a significant reduction in the permeability, and the poros-
ity decreased from the initial value of 22.59–16.02%. The 
permeability decreased from 7.78 to 1.07 mD. Based on the 
petrophysical data, a tube string model of a calibrated ver-
maspress was established for numerical simulation. Roels 
et al. (2014) captured gas–solid salt saturation profiles via 
microcomputed tomography (micro-CT), and the pressure 
drop above the core was continuously monitored. They 
compared the observations with numerical simulations con-
ducted using a TOUGH2 reservoir simulator with the EOS 
module ECO2N (Roels et al. 2014).

neutron transmission and dye pattern imaging to quantify 
the water distribution and drying front dynamics. Synchro-
tron X-ray microtomography has been applied to study the 
pore-scale dynamics of the dissolved salt distribution in 
three-dimensional dry salt-containing porous media (Shokri 
2014). Ott et al. (2014) studied salt precipitation due to CO2 
injection in both single-pore and porous systems under near-
well conditions and imaged the saturation and salt deposi-
tion using microcomputed tomography.  Zhang et al. (2019a, 
b) studied the influence of salt precipitation/dissolution on 
the physical properties of tight gas reservoirs through core 
analysis and core displacement tests; analyzed the influ-
ences of the specific area, porosity, pore throat diameter, 
and other physical properties on the core; and observed 
the flow state of brine and salt precipitation through micro-
scopic visualization experiments (Fig. 7). Muhammad et al. 
(2020) studied the effects of the CO2 injection scheme, rock 
permeability, brine type, and salinity on the CO2 injection 
capacity using X-ray fluorescence (XRF), X-ray diffraction 
(XRD), and field emission scanning electron microscopy 
with energy dispersive X-ray spectroscopy (FESEM-EDX). 
Core samples with different permeabilities from a typical 
geologically sealed reservoir were analyzed, and the migra-
tion of the precipitated salt, silica particles, and kaolinite 
was observed. In addition, the CaCl2 saline-saturated core 
was the only sample with increased permeability after the 
CO2 displacement experiment. Dayo et al. (2021) studied 
the pore-scale evaporation and drying process leading to 
salt precipitation of saturated porous media in brine using 

Fig. 7  The experiment setup for core flooding experiments. (Edited from Zhang et al. 2019a, b)
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example, Hesse et al. (2007) developed the Method of Char-
acteristics for investigating the migration of the CO2 plume 
after the end of CO2 injection, or by making use of Darcy’s 
equation as well as a modified Buckley–Leverett theory. 
McMillan et al. (2008) established a model to determine the 
CO2 injectivity within a homogeneous reservoir with con-
stant pressure at the boundaries, based on phase mobilities 
and the propagation speed of saturation fronts. Zeidouni et 
al. (2009) established an analytical model and assumed that 
the precipitated salts were uniformly distributed in the res-
ervoir. Pruess (2009) took into account the absence of cap-
illary pressure and, on the basis of the similarity solution, 
derived values for the constant solid salt saturation in the 
dry-out region. A review of these analytical works is pre-
sented in Table 2.

However, the current analytical solutions for salting-out 
are far from adequate. The main assumptions employed 
in the analytical models are as follows: (1) The reservoir 
is regarded as homogeneous. (2) Diffusion and dispersion 
effects are ignored. (3) Capillary and gravitational forces 
are negligible. (4) Mineral reactions are considered to be 
negligible. (5) Local phase equilibrium is taken into account 
and lastly. (6) Temperature and pressure are presumed to 
be constant (Milad et al. 2017). Norouzi et al. (2022) held 
the view that there was no analytical solution which took 
into account “the capillary effects on the propagation speed 
of saturation shocks and on the salt precipitation” in the 
dry-out region. There are few available analytical studies 
attempting to mathematically formulate the saturation dis-
tribution within the reservoir while considering mass trans-
fer and minerals/salt precipitation. Based on the provided 
literature review, the majority of the analytical works in 
this field only considered simple CO2-water displacement 
systems and gravity currents without mass transfer and salt 
precipitation. Additionally, capillary-driven backflow can 
considerably increase the amount of precipitated salt near 
the injection well area (Bacci et al., 2011; Grimm Lima et 
al., 2020; Norouzi et al. 2021). Salt saturation increases as 
it gets closer to the injection well, and thus it is not constant 
(Pruess and Spycher 2007). It is requisite to establish a more 
realistic model for evaluating the salting-out effect.

Sensitivity of the governing parameters

Reservoir heterogeneity, salinity, injection rate, tempera-
ture, as well as wettability all have an impact on the evapo-
rative salting-out of saline sandstone (Cui et al. 2016a).

Micro/nanoflow control

Salt precipitation involves complex processes such as CO2–
water seepage, gas–liquid mass transfer, and mineral crys-
tallization (Zhang et al. 2024a). A detailed analysis of the 
crystallization and precipitation processes of salt in pores is 
needed to reveal the physical mechanism of salt precipita-
tion. Microscopic visualization experiments are the optimal 
approach for analyzing the pore-scale dynamics of salt pre-
cipitation since they can not only visually observe salt pre-
cipitation but also rule out the impact of rock minerals. Kim 
et al. (2013), Miri et al. (2015), Nooraiepour et al. (2018), 
and He et al. (2019) studied the kinetic characteristics of 
salt precipitation at the pore scale with NaCl as the aque-
ous solution through a series of lab-on-a-chip experiments. 
They found that salt crystals come in two forms: a single 
large crystal and a micron-scale aggregate. It is believed that 
single large salt crystals grow in the liquid phase far from 
the CO2 interface and, therefore, do not occupy subsequent 
CO2 permeation channels. Due to the fluidity of the water 
film, micron-scale salt crystals continue to grow, resulting 
in a large amount of micron-scale salt crystals. The different 
forms of salt precipitation are related to the uniformity of 
the pore distribution, and the amount of salt precipitation 
is related to the mobility of the pore water film (Miri et al. 
2015).

In addition, many scholars have used micro/nanoflow 
control experiments to study the effects of fractures and res-
ervoir heterogeneity on salt precipitation at the pore scale. 
Jiang et al. (2022) designed a microscopic model to simulate 
reservoir fractures and conducted pore-scale experiments to 
study the effects of the CO2 injection rate, solution concen-
tration, and rock wettability on salt extraction from fractures. 
Under hydrophilic conditions, reducing the CO2 injection 
rate and increasing the solution concentration increase the 
amount of salt precipitation in the fracture and decrease the 
injection ability of the micromodel. However, increasing the 
CO2 injection rate and rock contact angle greatly reduces 
the amount of salt precipitation in the fracture and has little 
adverse effect on the injection ability of the micromodel. He 
et al. (2023) designed two different structures with vertical 
heterogeneity and lateral heterogeneity through pore-scale 
experiments and studied the salting-out phenomena in dif-
ferent heterogeneous structures.

Analytical solutions

Numerical results and laboratory experiments are highly 
reliant on specific cases and costly in terms of both time 
and computational expenditures. Nevertheless, analytical 
solutions can effectively model the CO2-brine systems and 
salt precipitation without incurring computational costs. For 
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reservoir. The burial depth, porosity, permeability, and 
thickness are all important factors affecting the CO2 mass 
flow rate in the wellbore. Changes in the CO2 quality and 
flow in the wellbore will balance the CO2 injection pressure 
by affecting the heat released, compressibility, and potential 
energy loss of the rock and by changing the hydrostatic pres-
sure and frictional pressure drop of the CO2, thus changing 
the temperature of the CO2 flowing into each layer (Liu et 
al. 2016). In the process of longitudinal unified multilayer 
injection, the different permeabilities and porosities of the 
different saline aquifers lead to the asynchronous movement 
of the two-phase flow interface, which greatly affects the 
CO2 displacement and drying processes and thus affects the 
final salt precipitation characteristics (Zhou et al. 2008).

For planar heterogeneity, regardless of the CO2 injection 
rate, the precipitated salts mainly exist in clusters (Fig. 8). 
Moreover, the salt distribution is relatively dispersed and 
has little influence on the injection capacity (He et al. 2023).  
Cui et al. (2016b) studied the salt precipitation concentra-
tion in the area near an injection well under different initial 
reservoir permeabilities 30 years after CO2 injection and 
concluded that the permeability does not have a significant 
influence on the salting-out volume and that the salting-
out volume concentration is basically the same under dif-
ferent permeability conditions (Cui et al. 2016b). Milad et 
al. (2017) reported that permeability had no effect on the 
determination of the equilibrium zone in the salt precipita-
tion model, and the permeability only affected the injection 
capacity. The main parameter that comes into play is the 
relative permeability, which depends on the nature of the 
aquifer (Milad et al. 2017). However, other scholars have 
presented a different view. Reservoirs with medium per-
meability (50 × 10− 3–250 × 10− 3 µm2) minimize salt accu-
mulation and allow sufficient pressure dissipation and are 
therefore the best storage media for CO2 injection (Qing 
et al., 2021). The higher the permeability of the rocks is, 
the longer the residence time between the CO2 and brine/
rocks due to the larger pore size, and the greater the damage 
(Mohammad et al., 2020).

At present, few studies have been conducted on the effect 
of within-layer heterogeneity on salting-out. Core experi-
ments have focused on the characteristics of salt precipita-
tion in the X and Y directions, and less research has been 
conducted on the vertical rhythm and vertical structure 
changes in a single layer during the salt precipitation pro-
cess. In the actual CO2 injection process, due to the den-
sity difference between the CO2 and brine, more salting-out 
may occur at the bottom of the sandstone layer. However, 
both the numerical and analytical solutions underestimate 
the amount of permeability reduction. This could be due 
to several reasons, such as the uniformity of the reservoir 
parameter settings in the analytical/numerical case and/or 

Reservoir heterogeneity

According to the type, reservoir heterogeneity can be 
divided into interlayer heterogeneity, intralayer heteroge-
neity, plane heterogeneity, and microscopic heterogeneity 
(Qiu 1992). The degree of reservoir heterogeneity affects 
the timing of salting-out, the initial location of salting-out, 
and the in situ distribution of salting-out (Dayo et al. 2021).

The interaction of multiple layers in a heterogeneous 
reservoir will affect the distribution of the CO2 mass flow 
rate with wellbore depth and thus will affect the correspond-
ing temperature and pressure changes in the wellbore and 

Table 2  Analytical investigations of CO2-Brine systems considering 
Mass transfer and salt precipitation (edited from Norouzi et al. 2022)
Study Methodology
Nordbotten 
and Celia 
(2006)

Developed a similarity solution to find the locations 
of the interfaces between different saturation regions. 
Their solution is also able to capture CO2 density-
driven flow.

Noh et al. 
(2007)

Investigated minerals precipitation inside the reser-
voir through fractional flow theory and shock waves 
definition for cases that CO2 displaced water and 
water displaced CO2. Based on graphical solution 
(drawing tangent lines), they provided equations to 
calculate the retardation factors and the I and J coor-
dinates of the tangent lines.

Zuluaga and 
Lake (2008)

Using a constant capillary diffusion coefficient and 
numerical integration, they proposed a traveling-
wave solution to analytically solve water vaporization 
for dry gas (methane) injection into immobile water.

Pruess 
(2009)

Used mass balance for the dissolved water into the 
CO2 stream and the saturation profiles from the 
Buckley-Leverett fractional flow theory and proposed 
an equation that related the average gas saturation 
inside the dry-out region to the amount of the precipi-
tated salt, which they considered to be constant in the 
dry-out region.

Zeidouni et 
al. (2009)

The similar fractional flow approach is used to 
formulate gas saturation inside a cylindrical reser-
voir. They also provided equations to estimate salt 
precipitation inside the dry-out region. However, they 
suggested a uniform and constant precipitation inside 
the drying region.

Mathias et 
al. (2011)

Extended an analytical solution to estimate the pres-
sure buildup within the injection well area, consider-
ing water evaporation, CO2 dissolution into the brine, 
and salt precipitation. However, they considered 
negligible capillary pressure in their work.

Kelly and 
Mathias 
(2018)

Presented a similarity solution relating capillary pres-
sure and salt precipitation around the injection well. 
Their results revealed that the amount of the precipi-
tated salt is highly controlled by the capillary strength 
and that the presence of capillary pressure led to a 
higher amount of precipitation near injection area.

Norouzi et 
al. (2022)

Developed an analytical solution based on fractional 
flow theory and shock waves for
CO2-brine systems considering the effect of capillary 
pressure. The results emphasize that effects of capil-
lary pressure should not be ignored.
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salinity of the brine will lead to a slight decrease in the solu-
bility of the water in the CO2 phase, thereby reducing the 
evaporation rate. An increase in salinity leads to a decrease 
in the residual and dissolved captured CO2 and an increase 
in the mobility of CO2 (Emad et al. 2017), resulting in a sig-
nificant decrease in the dissolution of CO2 in brine. A salin-
ity sensitivity analysis revealed that the higher the salinity 
is, the more salt precipitation occurs, and the greater the 
reduction in the porosity. When the salinity is less than 5%, 
the salt deposition and permeability damage are negligible 
(Grude et al. 2014). These results are in good agreement 
with field observations. For example, for low-salinity and 
high-permeability reservoirs, such as the Utsira Formation 
in the Sleipner Field in the North Sea (salinity of 3.5% and 
permeability of 1 D), there have been no reports of impaired 
injection capacity or well plugging in the field to date. How-
ever, for the Katzian reservoirs, salt precipitation is the main 
cause of pressure buildup during CO2 injection into high-
salinity (25%) and medium-permeability (~ 100 mD) reser-
voirs (Grude et al. 2014).

The CO2 displacement efficiency is a single function of 
the difference in the viscosities of CO2 and brine. The vis-
cosity difference increases with increasing salinity. Under 
constant temperature and pressure conditions, the brine 
yield decreases with increasing salinity. Under the same pore 
volume CO2 injection conditions, the residual saline in the 
maximum pore of the rock sample increases with increas-
ing salinity. The probability of evaporation increases due 
to the increased probability of the brine coming into con-
tact with the CO2 flow and evaporating. However, changes 
in salinity can affect the balance between liquid water and 
water vapor. According to Raoult’s law, as the salinity of 
a brine increases, the equilibrium vapor pressure (i.e., the 

the lack of a Z direction in the model. This eliminates the 
accumulation of salt at the bottom of the reservoir due to 
factors such as gravity and intralayer heterogeneity, which 
exacerbates the reduction in permeability.

In terms of microheterogeneity, the main concern is the 
effects of the PSD, self-enhancement, and microfractures 
on salt precipitation. In the gas phase, micron-sized crystals 
aggregate to form a microporous medium with numerous 
capillaries. These micropores can absorb brine strongly over 
a long distance to the evaporation front through a film of 
water connected by capillaries. The brine absorbed in the 
salt structure is several orders of magnitude thinner than the 
brine captured in the pores. Due to its high surface area-
to-volume ratio, it quickly becomes highly supersaturated, 
resulting in high nucleation rates and the formation of addi-
tional salt crystals. The resulting salt provides additional 
surface area for evaporation, thus increasing the overall 
salting-out rate. This mechanism occurs even at extreme 
CO2 flow rates. Therefore, salting-out formation may be 
more severe than has been previously concluded based on 
core flooding experiments and numerical simulations alone 
(Miri et al. 2015). It should be noted that when CO2 leaks in 
a fracture, the salt tends to grow until the fracture is plugged 
(Zhang et al., 2023; Chen et al. 2024). This is of great sig-
nificance to the self-healing of fractures in the cap layer.

Salinity

Aquifer salinity mainly affects the formation of salt and 
controls the occurrence and extent of precipitation (Parvin 
et al. 2020). Brine salinity has been shown to be a factor 
affecting rock wettability, i.e., a higher brine salinity leads 
to more carbon dioxide wetting the rock. An increase in the 

Fig. 8  Salt distributions under different CO2 injection rates in heterogeneous structure (Edited from He et al. 2023)
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injection rate and higher salinity will lead to more salt pre-
cipitation, reducing the difference in the relative permeabil-
ity of CO2.

In addition, the type of salt affects the trends of the 
changes in reservoir physical properties after CO2 injection. 
The permeability decreases in cores saturated with NaCl 
and KCl brine. However, in CaCl2 brine, redissolution is 
thought to be the main reason for increased permeability 
after scCO2 injection (Mohammad et al., 2020).

Injection flow rate

The CO2 injection flow rate plays a decisive role in the cal-
culation of the injection capacity (Giorgis et al. 2007; He 
et al., 2024). The strength of the capillary force and con-
vective force determines the influence of the injection flow 
rate (Dayo et al. 2021). A sensitivity analysis of the injec-
tion flow rate showed that the degree of salt precipitation 
is determined by the evaporation rate, and the evaporation 
rate is mainly controlled by the injection flow rate (Javad 
and Behzad 2016). The injection rate controls (1) the initial 
fluid (scCO2 and brine) and final scCO2 saturation, (2) the 
time from the start to the end of the precipitation, and (3) the 
amount of salt precipitated (Dayo et al. 2021).

Under strict advection conditions, a higher flow will 
enhance the viscous force, thus enhancing the immiscible 

pressure exerted by the steam escaping from the liquid or 
solid) decreases, resulting in less evaporation. An experi-
ment revealed that the amount of steam produced decreases 
with increasing salinity. The change in evaporation with 
increasing salinity exceeds the influence of the increase in 
the residual water saturation on the increase in evaporation 
(Fig. 9).

Furthermore, an increase in brine salinity increases the 
total dissolved solids. This directly increases the precipita-
tion of salt. Thus, as the brine salinity increases, the inter-
action between reduced evaporation and increased total 
dissolved solids determines which interaction has the most 
significant effect on salt precipitation. Regarding the effect 
of brine salinity on the final permeability, an increase in 
brine salinity leads to a decrease in permeability and an 
increase in salt precipitation. The final gas phase measure-
ment results show that the total dissolved solids content is 
the main factor controlling salting out due to changes in 
salinity.

It should be noted that the relative permeability curve 
for water is not sensitive to salinity (Javed et al., 2016). 
The main reason for this is that there is little difference in 
the brine yield under different salinity conditions (Javed et 
al., 2016). The low relative permeability of the nonwetting 
phase (CO2) is due to pore throat obstruction caused by salt 
precipitation and the low CO2/brine viscosity ratio. A lower 

Fig. 9  Vapor production curves (Edited from Javed et al., 2016)
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less water evaporation. Thus, the steam production resulting 
from salting-out decreases with increasing injection flow 
rate. Therefore, an increase in the injection flow rate can 
lead to permeability damage and a decrease in salt precipita-
tion. Celia et al. (2016) reported that high evaporation rates 
limit the transport of solids to the outer surface, resulting in 
a more uniform distribution of precipitation. A low drying 
rate leads to strong solid accumulation on the outer surface 
of the porous medium. However, the small throat reduces 
solute transport and limits the accumulation of solids on the 
surface. Dayo et al. (2021) concluded that a higher injection 
flow rate increased the rate of salt precipitation but reduced 
the amount of salt precipitation. For the same injection flow 
rate, more salting-out occurs in reservoirs with greater reser-
voir heterogeneity. According to Norouzi et al. (2021), with 
increasing injection rate, the amount of precipitated salt and 
the damage to the permeability decrease significantly. He et 
al. (2023) reported that in upper and lower heterogeneous 
structures, salt precipitation had little effect on the injection 
capacity regardless of the CO2 injection flow rate. When the 
CO2 injection flow rate is low, the salt tends to settle in situ in 
the small pore structure and form a crystal structure. When 
the CO2 injection flow rate is high, salt tends to precipitate 
in large pores and form a clustered structure. However, the 
size of the precipitated salt clusters is independent of the 
injection rate, and approximately 85% of the salt clusters 
fall within the pore throat range of 5 × 10− 6–1 × 10− 3 mm3, 

displacement of the scCO2 at the pore scale. For scCO2 
injection and the same pore volume, the overall effect of a 
high injection flow rate is a decrease in the residual brine 
saturation (Dayo et al. 2021). Javed et al. (2016) concluded 
that as the injection flow rate increased, brine production 
increased, and the residual water saturation in the rock sam-
ples decreased with increasing injection flow rate (Fig. 10). 
Because the injection flow rate improves advection, the cap-
illary forces in the medium can be more easily overcome. 
A decrease in the residual saturation will greatly reduce the 
amount of water molecules in the pore throats of the rock 
sample exposed to the CO2 stream, and the probability of 
evaporation into water vapor will decrease.

When the injection flow rate increases, the evaporation 
rate increases (Javed and Behzad, 2016; Dayo et al. 2021). 
The evaporation front advances at a faster rate, leaving 
a uniform salt deposit in the dry zone. However, a lower 
injection flow rate results in a higher capillary backflow 
to the evaporation surface, which suppresses the effect of 
the pressure gradient. The enhanced capillary flow in turn 
increases the likelihood of dense salt accumulation near 
the inlet (Parvin et al. 2020). The combination of a higher 
scCO2 injection flow rate (i.e., a higher evaporation rate) 
and a lower brine saturation, which can be obtained after 
critical scCO2 saturation is reached, results in a shorter salt 
precipitation stage.

In addition, when the injection flow rate is faster, the CO2 
and brine are in a nonequilibrium state, resulting in much 

Fig. 10  Permeability changes measured on core samples before and after the coreflood experiment (Edited from Muhammad et al. 2020)
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demonstrated that the higher the temperature, the more 
intense the evaporation effect of the formation water would 
be, and the more prone to salt precipitation it was likely to 
be. Norouzi et al. (2021) compared the amount of water 
backflow and salt precipitation at different initial reservoir 
temperatures (Norouzi et al. 2021). It was inferred that the 
quantity of salt out diminishes along with the increase of 
the initial temperature. Concurrently, the initial temperature 
of the reservoir exerted a more significant effect compared 
to the CO2 injection temperature. It was observed that with 
the rise of the initial reservoir temperature, the maximum 
value of backflow augmented and the time span decreased. 
Additionally, the lower the reservoir temperature was, the 
higher the salt precipitation rate would be and the greater 
the reduction in porosity tended to be.

In general, the influences of the aquifer temperature on 
the changes in the porosity and permeability caused by salt 
precipitation are not significant. The influences of a temper-
ature change of 15 °C on the permeability and porosity are 
only 0.09% and 0.03%, respectively (Milad et al. 2017). The 
temperature largely changes the distribution of salt, but the 
degree of salt precipitation remains the same (Parvin et al. 
2020). Nevertheless, it is likely that the influence of temper-
ature on salt precipitation is significantly smaller than that 
of parameters like the injection rate and capillary pressure.

Furthermore, the relative permeability curve does not 
alter significantly within a small temperature range. This 
can account for the flow geometry limitations of one phase 
in relation to another in the majority of cases (Li and Liu, 
2006). Experimental investigations have revealed that there 
is scarcely any change in the relative permeability curve 
within the temperature range of 90 to 120 °C (Peysson et 
al. 2014).

Wettability

The times of the beginning and end of salt precipitation dur-
ing CO2 injection are a function of the wettability and het-
erogeneity. The combination of greater water wetness and 
weaker reservoir heterogeneity will shorten the start-to-end 
period. In addition, the presence of stronger hydrophilic 
minerals can lead to more salt precipitation in near-well 
systems. This is because the proportion of hydrophilic 
pores is greater in a hydrophilic system than in a hydropho-
bic medium, and the brine connectivity is greater. He et al. 
(2019) observed that the distribution of salt in pores ranges 
from uniform clusters in hydrophilic systems to isolated 
large crystals in completely hydrophobic media. The latter 
is due to the poor hydraulic connectivity of the brine caused 
by the hydrophobicity of the pores, which limits the return 
of the solute to the evaporation site (He et al. 2019).

which means that they mostly form in connected medium 
pores (He et al. 2019).

The self-reinforcing mechanisms of salt growth and salt 
transport in water membranes must also be recognized (Miri 
et al. 2015). The aggregated salt crystals form microporous 
media (He et al. 2022), and each throat has highly capillary 
tubes that enhance solute transport by absorbing brine over 
long distances.

Temperature

In general, CO2 is injected into the formation deeper than 
850 m to ensure that the CO2 is in a supercritical pressure 
and temperature state (Bachu 2008; Paluszny et al. 2020; 
Feng et al. 2023), which is likely to be lower than the origi-
nal formation fluid temperature (Doughty and Freifeld 2013; 
Li and Zhang 2019). For instance, at the Cranfield pilot test 
site, the injected CO2 temperature was 44 °C lower than the 
formation temperature (Kim and Hosseini 2014). The injec-
tion of CO2 cools off the reservoir, especially in the near 
wellbore area, down to more than 30℃ (Tang et al. 2018). 
The maximum solubility of salt in a brine solution and the 
phase behavior of a CO2–brine system are mainly affected 
by temperature. Higher temperatures significantly increase 
the solubility of water in the CO2 phase, thus increasing the 
rate of evaporation. As a result, water quickly reaches its 
saturation limit, and salts precipitate (Miri and Hellevang, 
2016). The advancement of the drying front also accelerates 
with increasing temperature (Parvin et al. 2020). Addition-
ally, elevated CO2 temperature decreases the CO2 density, 
enhancing the gravity override, which simultaneously pro-
ceeds to localized salt precipitation at the dry-out front (Kim 
et al. 2012).

The amounts and the time of the salt precipitation vary 
due to changes in injection temperature (Han et al. 2012). 
Increasing temperature increases the solubility of water in 
CO2, capillary reflux and vaporization, which results in a 
stronger backflow intensity and a decrease in the time span 
of capillary-driven backflow (Norouzi et al. 2021). It could 
be observed that a rise in the injection temperature will 
cause an increase in the amount of precipitation and a reduc-
tion in porosity.

However, there exist different conclusions regarding the 
impact of the initial reservoir temperature on salting-out. 
Miri and Hellavang (2016) studied the effects of salinity, 
temperature, and initial reservoir permeability on salting-
out through parameter analysis and demonstrated that the 
higher the salinity and temperature are, the lower the ini-
tial permeability of the reservoir, and the greater the like-
lihood of salt precipitation. Tang et al. (2018) performed 
the parametric analyses to explore the impacts of the initial 
reservoir temperature on salt precipitation. The outcomes 
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Implications and problems of research 
on CO2 storage salt precipitation in saline 
sandstone

The influence of chemical reactions

As shown in Table 3, the following chemical reactions occur 
in sandstone aquifers (Milad et al. 2017; Zhang et al., 2024). 
Various types of minerals, such as carbonate, feldspar, and 
clay, will experience chemical reactions to varying degrees 
after contact with weakly acidic fluids formed by CO2 and 
formation water (Edgar et al. 2023). These chemical reac-
tions alter the porosity and permeability of the rock  (Cui 
et al. 2018b). Nevertheless, the conclusions regarding the 
variation characteristics and magnitude of porosity and per-
meability are not uniform.

By summarizing the previous research results, the reasons 
for the significant differences in porosity and permeability 
are as follows. (1) The core samples utilized in the experi-
ments had diverse mineral compositions. (2) The tempera-
ture and pressure setting of each experiment were different. 
(3) The durations of time were dissimilar in the majority 
of experiments, and most experiments were restricted to 
short-term effects, not revealing anything about the long-
term effects of CO2 reaction (Rathnaweera et al. 2017). It 
should be noted that the reaction rate of different minerals 
vary by several orders of magnitude (Balashov et al. 2013; 
Zhang et al., 2017). Concurrently, mineral dissolution may 
be accompanied by the generation of secondary minerals, 
which may migrate and block the pores, thereby resulting 
in the reduction of porosity and permeability. More stud-
ies have discovered that in the early stage of CO2 injection, 
minerals such as carbonate and feldspar dissolve with the 
decrease of formation water PH value (Feng et al. 2023). 
The dissolution increases the concentration of Ca2+ and 
Mg2+ ions. They react with the available carbonate ions in 

In practical engineering applications, wettability has 
been found to have an important effect on salt extraction 
behavior in reservoirs. Because of the low porosity and 
low permeability of highly heterogeneous sandstone reser-
voirs, fracturing and fracture-forming operations are often 
needed before CO2 injection. Under hydrophilic conditions, 
salt easily precipitates in fractures, which seriously affects 
the injection capacity. Under hydrophobic conditions, salt 
hardly settles in fractures, which is very favorable for con-
tinuous CO2 injection (He et al. 2022). Using a brine satu-
ration micromodel characterized by matrix connection to a 
single fracture, Rufai and Crawshaw (2018) observed that 
salt precipitation and permeability reduction in both the 
matrix and fracture are controlled by wettability. The matrix 
permeability and fracture permeability decrease with the 
formation of salt precipitates in both water-wet micromod-
els and mixed wet micromodels. However, in the homo-
geneous hydrophobic micromodel, the lack of hydraulic 
connectivity of the brine phase limits the supply of solute 
to the fracture, and the fracture permeability decreases the 
least (Rufai and Crawshaw 2018). Iglauer (2017) stated that 
the injection of CO2 into hydrophilic reservoir rocks is more 
advantageous because it improves the capture of residual 
CO2, thereby improving the CO2 storage capacity and the 
safety of long-term CO2 storage. An ideal CO2-sealed stor-
age layer is one in which the reservoir rock near the injec-
tion well is hydrophobic, which improves the injection 
capacity, and the remote reservoir rocks are hydrophilic, 
which improves the reservoir capacity. Manual methods can 
be used to modify the wettability of fractures near injection 
wells. For example, the fracture surface can be made hydro-
phobic by injecting a surface-modifying solvent.

Table 3  Chemical reaction between CO2 water solution and certain minerals (edited from Milad et al. 2017; Zhang et al., 2024)
Mineral type Mineral names Chemical formula The chemical reactions with CO2 water solution
Carbonate Calcite CaCO3 CaCO3 + CO2 + H2O→Ca(HCO3)2

Dolomite CaR(CO3)2 CaR(CO3)2+2CO2 + 2H2O→Ca(HCO3)2+R(HCO3)2
Magnesite, Siderite, 
Rhodochrosite

R(CO3)2 R(CO3)2+CO2 + H2O→R(HCO3)2

Feldspar Sodium Feldspar NaAlSi3O8 2NaAlSi3O8 + 2CO2 + 3H2O→Al2Si2O5(OH)4+2Na++4SiO4 + 2HCO3
-

, NaAlSi3O8 + CO2 + H2O→NaAlCO3(OH)2+3SiO4
Calcium Feldspar CaAl2Si2O8 CaAl2Si2O8 + 2CO2 + 3H2O→Al2Si2O5(OH)4+CaCO3
Potassium Feldspar KAlSi3O8 2KAlSi3O8 + 2CO2 + 3H2O→Al2Si2O5(OH)4+2 K++4SiO4 + 2HCO3

-

Clay Illite K0.6Mg0.25Al2.3Si3.5O10(OH)2 K0.6Mg0.25Al2.3Si3.5O10(OH)2+8 H+→5H2O + 0.6 K++0.25Mg2++2.3
Al3++ 3.5SiO2

Chlorite A5Al2Si3O10(OH)8 A5Al2Si3O10(OH)8+5CaCO3 + 5CO2→5CaA(CO3)2+Al2Si2O5(OH)4+
SiO2 + 2H2O

Kaolinite Al4Si4O10(OH)8 3Al4Si4O10(OH)8+4 K++4HCO3
-→4KAl3Si3O10(OH)2+4CO2 + 10H2O

Note R represents Mg/Fe/Mn, and A represents Mg/Fe
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CO2 migration and storage through a combination of core 
displacement tests and numerical simulations (Norouzi et 
al. 2022). In contrast to marine carbonate strata, continen-
tal clastic strata exhibit greater reservoir heterogeneity. The 
poor spatial continuity of the sand bodies, the obvious low 
porosity and low permeability characteristics of the reser-
voirs, and the presence of mud interlayers further aggravate 
the risk of salt precipitation in the process of CO2 storage 
and affect the CO2 injection effect. In future research, more 
attention needs to be given to the influence of reservoir 
heterogeneity on CO2 storage salt precipitation from the 
aspects of macro- and micro-reservoir heterogeneity.

Is there an optimal injection rate

The injection rate is one of the few parameters that can be 
controlled in the field. Is there an optimal injection rate? Ott 
et al. (2013) combined experiments and numerical simula-
tions to determine that different CO2 injection rates produce 
precipitates with different forms. There is a critical flow rate 
qcr during CO2 injection. When the CO2 flow rate is below 
qcr, a negative water saturation gradient may occur. More 
water dissolves/evaporates near the injection point. This 
results in a return flow of brine driven by capillary action 
toward the injection point, where a large amount of local 
precipitation occurs. As a result, the amount of locally pre-
cipitated salt may be greater than the amount of salt origi-
nally dissolved in the saline phase, which will most likely 
clog the pore space. When the injection rate reaches qcr, the 
capillary reflux phenomenon stops, and the local precipi-
tation phenomenon at the injection point disappears. The 
critical volume flow qcr can be determined via mass balance. 
Peysson et al. (2014) believed that there was a critical flow 
rate beyond which the dry front would spread uniformly 
along the flow direction and the salt would precipitate uni-
formly. At high injection rates, the viscous force increases, 
and the capillary force weakens. At a flow rate of 4.4 ml/
min, the uniform salt saturation of the entire core after dry-
ing was 0.04. However, such experimental data are scarce, 
and heterogeneous salt precipitation has been observed in 
most experiments (Peysson et al. 2014; André et al. 2014; 
Ott et al. 2015).

Therefore, if an optimal injection rate can be determined 
or a method can be found to quickly estimate the optimal 
injection rate according to the on-site geological condi-
tions, it is highly important to reduce the injectable damage 
caused by salt precipitation and to improve the effect of CO2 
injection.

the formation to form calcium carbonate or calcite deposits 
(Zhang et al. 2019a).

More importantly, it is essential to identify the distinc-
tions among various chemical reactions and salting-out 
effects in the course of discussing the alterations in porosity, 
permeability and injectivity of the saline sandstone.

The relationship between salt precipitation and 
reservoir porosity/permeability changes

A variety of studies, relying on both simulation and field 
data, observed salt precipitation and its detrimental impacts 
on the reservoir. Salt could deposited in both macro-pores 
and micro-pores (Akindipe et al., 2021). The accumulation 
of salt deposits within the pore space of reservoir rocks leads 
to a decrease in porosity, which is directly associated with 
the decline in permeability as theorized by the permeability-
porosity relationships in the relevant literature (Verma and 
Pruess, 1988; Pruess 2009).

However, in diverse experiments and field data, the 
quantitative relationship between salt precipitation and 
the alterations in reservoir porosity and permeability is not 
consistent. Baumann et al. (2014) reported a salt satura-
tion of approximately 1.4% within the dry-out region, with 
the maximal saturation reaching up to 14.1%. Muller et al. 
(2009) observed a solid salt precipitation of around 16% and 
a consequent permeability reduction of approximately 40%. 
Bacci et al. (2011) detected a reduction in porosity ranging 
from 3 to 5% and a permeability reduction ranging from 13 
to 75%. Tang et al. (2014) reported a reduction of 14.6% 
and 83.3% in porosity and permeability respectively in their 
model. Grimm et al. (2020) reported a 21.98% permeability 
reduction in their studies. Ott et al. (2021) probed into the 
potential influence of salt precipitation on reservoir perme-
ability, and the results indicated that the reservoir perme-
ability decreased by up to three orders of magnitude due 
to salt precipitation.  Zhang et al. (2019a) carried out the 
core evaporation test to explore the change in permeability 
caused by salt precipitation, and the results showed that the 
core permeability decreased by up to 90% because of the 
continuous salt precipitation.

Consequently, the establishment of a more precise math-
ematical model for the alterations of porosity, permeability, 
and injectivity brought about by salting out is a vital task for 
the storage of CO2 in saline sandstone reservoirs.

Reservoir heterogeneity has a profound effect on 
salt precipitation during CO2 sequestration

Reservoir heterogeneity is a key factor affecting CO2 trans-
port, reservoir capacity, and storage efficiency. Several 
recent studies have discussed the effects of heterogeneity on 
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Summary and conclusions

A great number of numerical simulations, core tests, and 
analytical models have been carried out to investigate the 
salting-out effect in saline aquifers, and the main under-
standings obtained are as follows. (1) After the injection of 
scCO2 into a saline aquifer, the synergistic coupling of vis-
cous displacement and drying results in three physical pro-
cesses: immiscible two-phase displacement, the evaporation 
of brine into a dry CO2 flow, and capillary-driven water 
phase backflow. (2) Laboratory experiments, numerical 
simulations and analytical models are capable of offering 
visual and swift analyses of the characteristics and causes 
of salt precipitation.

However, the current research regarding salt precipita-
tion is far from enough, and the following aspects remain 
ambiguous. (1) The current core experiments, numerical 
simulations, and analytical models do not comprehensively 
encompass the pressure, temperature, and salinity condi-
tions related to long-term CO2 injection. (2) The location, 
distribution, and dynamic mechanism of salting-out in 
saline aquifers are still not well-defined. (3) The quantita-
tive relationship among various factors with respect to the 
salting-out effect is not clear.

Some key scientific issues need to be addressed to accu-
rately predict salt precipitation in saline sandstone. (1) Once 
CO2 and formation water establish weakly acidic fluid con-
tact, varying degrees of chemical reactions will take place. 
These chemical reactions alter the porosity and permeabil-
ity of the rock. It is necessary to distinguish between these 
chemical reactions and the changes in injectivity brought 
about by salting-out. (2) In comparison with carbonate 
rocks, continental clastic rocks are more heterogeneous, and 
this disparity will have a more significant impact on salting-
out. (3) The prevailing academic view is that there exists an 
optimal injection rate. This optimal injection rate requires 
confirmation through more core experiments, analytical 
models, numerical simulation results, and field practices. (4) 
The setting of brine in the present study is overly simplistic, 
being restricted to NaCl, and more complex brine mineral 
composition as well as salt crystallization kinetics need to 
be taken into consideration. (5) There are certain differences 
between the results of core experiments, numerical simu-
lations, and the actual underground geological conditions, 
which may result in incorrect estimations of the injectivity 
loss caused by salting-out.
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NaCl does not represent all of the actual salt 
precipitation in the subsurface

In addition to Na+ and Cl–, saline sandstone also contains 
other inorganic ions, such as K+, Ca2+, Mg2+, SO4

2–, and 
HCO3

–. These inorganic ions also precipitate under the 
action of water evaporation (He et al. 2024b). Moreover, 
these inorganic ions can react with dissolved CO2, result-
ing in mineral precipitation or mineral dissolution. Ueda et 
al. (2005), Cui et al. (2017), and Xu et al. (2014) analyzed 
the water‒rock geochemical reactions of CO2 generation 
through geochemical experiments and numerical simula-
tions and found that the mineral dissolution caused by CO2 
geochemical reactions was negligible during CO2 injection. 
However, under the action of water evaporation, mineral 
precipitation intensifies. At present, most experiments and 
numerical simulations conducted to simulate the salt pre-
cipitation process have utilized NaCl, and the setting of the 
brine properties is too simple. In fact, the mineral composi-
tion of CO2-sequestration formation water is complex, and 
the impact of this difference in the composition of the brine 
needs to be considered.

In addition, the reasons for the formation of different 
forms of NaCl crystals are still unclear, and the main fac-
tors controlling salt crystallization are still unclear. Since 
the quantitative relationship between the scCO2 flow and 
NaCl precipitation in different pore structures has not been 
established, it is difficult to predict the actual amount and 
location of NaCl precipitation in the pores. Therefore, it is 
still necessary to analyze the salt crystallization kinetics of 
scCO2 injected into saline aquifers.

5.6 How can the results of core experiments and numeri-
cal simulations be better applied to field CO2 injection 
applications.

It has always been the goal of researchers to reconstruct 
underground geology as accurately as possible to improve 
the applicability of the results of core experiments and 
numerical simulations. Some studies have used seismic 
data and multiwell drilling information to create reser-
voir heterogeneity models (Qing et al., 2021; Deng et al. 
2012). However, there are still some challenges, including 
how to leverage the parameters obtained from core studies 
to the reservoir/saline aquifer scale under formation con-
ditions and how to conduct simulation studies using field 
data. Due to the lack of in situ data, most laboratory experi-
ments have failed to fully restore the actual heterogeneity of 
underground strata. The next step in such research will be to 
conduct further specific studies using a combination of core 
sample analysis, numerical simulations, and field investiga-
tions (Xiao et al. 2019).
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